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1. INTRODUCTION

1.1: The nature of petroleum

All chemical compounds found in nature are classified as either organic or inorganic.
Organic compounds are those that contain carbon; and one condition in this classification is
that the carbon atoms must be covalently bonded to some of the other atoms in the molecule.
An important group within the organic family of compounds is the hydrocarbons, which are
compounds composed of carbon and hydrogen only. Hydrocarbon molecules range in size
and complexity from simple methane (CH,) to asphaltenes containing hundreds of carbon
atoms.

Like coal, petroleum constitutes a prime source of hydrocarbons in nature. It is a
mixture of hundreds of thousands of compounds and is found in many forms: in the gaseous
state as natural gas, in the liquid state as crude oil, or in the solid state as tar and bitumen.
Petroleum is mostly found trapped within sedimentary rocks at various depths below the
surface of the earth where it has accumulated over millions of years.

1.2: The petroleum reservoir

A petroleum trap is a geological structure where petroleum accumulates within a
layer (formation) of sedimentary rock and cannot move out of it. The obstacle to the
movement of petroleum is caused by the geometry of the layer or its properties, the
properties of adjacent layers, or all of these factors combined. A typical trap is the anticline,
formed when several sedimentary layers become folded as shown in Fig. 1.1. Here in this
example, petroleum migrates from where it is generated deep under the surface into the
limestone layer. By doing so, petroleum displaces water that originally fills the layer.
Because petroleum is lighter than water, it accumulates at the top of the structure. However,
the anhydrite layer above the limestone is too impervious to allow petroleum to continue its
movement upwards, which causes the petroleum to remain trapped in the limestone.

Discovering a petroleum trap does not necessarily mean that petroleum can be
produced (recovered) economically from it. This depends on two key factors: (1) the quantity
of petroleum within the trap and (2) the rate at which it can be produced. If these two
parameters justify the cost of production then the trap is considered a petroleum reservoir.
1.3: Significance of rock properties

The quantity of recoverable petroleum in a trap and the rate at which it can be
produced depend primarily on the properties of the trap rock and the fluids it contains. Some

properties determine the total volume of petroleum in the trap; others limit the fraction of



this volume that can be recovered. The rate of flow is dictated by other rock properties and in
conjunction with some fluid properties. In this book, basic rock properties that aid in
determining the reservoir quality of a trap will be presented. Moreover, fluid properties that

control, alone or with other rock properties, the rate of flow will be presented as well.

Petroleum [[] Sandstone
accumulation [] Anhydrite
Eﬂ Limestone

. Shale
|:| Sandstone

Petroleum

source \

Fig. 1.1: Anticline trap

1.4: Sources of rock samples

Most rock properties are estimated from rock samples obtained from the reservoir.



2. POROSITY
2.1: Definition

Sedimentary rocks are invariably made up of grains of various sizes that are held
together by fusion forces or other cementing material. The grains are composed of fragments
of crystals of one or more rock minerals, all fused together. In sandstone, the predominant
mineral is quartz (Si0O;); in limestone, the mineral is calcite (CaCOs). The cementing
material is crystals of minerals that are deposited between the grains during or after the
sedimentation process. These minerals could be similar to the ones that make up the grains or
others such as anhydrite, dolomite, and clay minerals.

If the grains have regular shapes with plain surfaces, e.g., cubes, then they could fit
together in an orderly manner during sedimentation (Fig. 2.1-a). This way, no spaces are left
between the grains and the whole body of the rock is solid material. However, rock grains
are never regular in shape, which results in many spaces (pores) left between them (Fig. 2.1-
b). Even if the grains are perfect spheres, they could not be packed together perfectly - like
the cubes - no matter how we try. Therefore, the body of the rock is not entirely solid, rather
a fraction of it is actually space. The spaces between the grains are called pores and the total
volume of pores in a sample of rock is called its pore volume. The net volume of the grains is

called the grain volume.
y 4
7
/ %;
(a) Ordered packing of cubes (b) Random packing of irregular shapes
Fig. 2.1: Packing of two different sorts of grains
Obviously, the total volume of a sample — termed the bulk volume — is the sum of
both the grain volume, V,, and the pore volume, V,.
Vy, = V,+V, (2.1)

where

V, : bulk volume, crn3



This leads to a basic rock property called the porosity, which is defined as the fraction of the
bulk volume of a sample that is pore space. In mathematical terms,

o = V,/V, (22)
where

¢ : absolute porosity, fraction

Knowledge of the porosity of a sample of rock enables us to estimate its pore volume

since its bulk volume can be easily determined. If this sample is representative of the
reservoir, i.e., the reservoir rock is the same everywhere, then the pore volume of the entire
reservoir can be estimated by Equ. 2.2 using the sample’s porosity. The bulk volume of the
reservoir is computed by simple arithmetic from its area and average thickness. Since the
maximum volume of fluids a reservoir can contain is equal to its pore volume, porosity

becomes a primary property that must be determined most accurately.

Example 2.1
Suppose a rectangular reservoir is 10 miles long, 3 miles wide and 100 feet thick; and
suppose the porosity of a rock sample obtained from the reservoir is 22%. The bulk volume
of the reservoir is then
V, = 10x5280x 3 x 5280 x 100
= 8364x10" ft’

and its pore volume is

V, = 8364x10°x0.22
= 1.840x 108 ft®
= 3.277x 10’ bbl

Note: Units most commonly used in the petroleum industry and their conversion factors are

listed in Appendix A.

Porosity is seldom constant within a reservoir; it varies with location and depth. To

compute the average porosity, a simple weighted-mean formula is applied:

9 = (ZGV,)/V
where
[0) average porosity of whole reservoir
[N average porosity of a given section (i) in the reservoir
Vui : bulk volume of section (i)



The summation should include all sections of the reservoir.

Example 2.2

The contour map below depicts porosity variation within a reservoir. The lines connect
points of equal porosity. If the reservoir is 10 miles long, 3 miles wide, and 100 feet thick, its
average porosity is estimated as follows:

There are 4 sections within the reservoir, the area and average porosity of each are computed

to be:
Section MZ) Avg. Porosity (%)
1 155,399,147 12.5
2 277,261,208 17.5
3 122,322,723 22.5
4 14,303,684 25.0
Total 569,286,762
Since the reservoir thickness is uniform, section areas only are used in the computation.
o = (ZX9A)/A
= 9,904,413,847 / 569,286,762
= 174
10
15
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2.2: Types of porosity

Because of the variety and complexity of sedimentation processes, several types of
porosity could be created. Usually, the porosity that arises after initial sedimentation is
simple. All grains are loosely packed and pores within the sediments are connected. Fluids
can later on move through and fill the entire pore space. Invariably, however, secondary
processes alter the pore space by several ways. As the weight of the sediments increase,
compaction presses grains closer to each other causing some pores to be closed and isolated
from the rest of the pore space (Fig. 2.2). Although compaction reduces the pore volume a
little, more importantly, it makes some of the pore space inaccessible to fluid flow.
Therefore, part of the fluids within the reservoir cannot be produced as it is trapped within
the isolated pores. The effective porosity is defined, hence, as the fraction of the bulk volume

of a sample that is connected pore space.

Isolated pores

'
@QOQ%

Fig. 2.2: Isolated pores in a compacted bed

Reduction of pore volume and isolation of pores can also be a result of secondary
deposition. Brines that flow through the rock could deposit minerals of various types
between the grains, usually at the grain-to-grain contacts. Such deposits cement grains
together, but could also plug pore throats or even fill entire pores. In other instances, brine
can dissolve some of the grain material causing pore enlargement, which creates extra
porosity (Fig. 2.3-a). For this reason, the initial porosity is referred to as the primary,
intergranular or matrix porosity while the added porosity is referred to as the secondary
porosity. Secondary porosity can also be created by cation exchange between the water and
the rock. For example, some of the calcium ions in a calcite crystal may be replaced by
magnesium ions from the brine, which forms the mineral dolomite (MgCa(COs3);). Since
dolomite has a smaller molar volume than calcite, this causes shrinkage of the grains and,
thus, secondary porosity (Fig. 2.3-b). Fractures created within the rock also contribute to

secondary porosity (Fig. 2.3-c).



(c) Secondary porosity by fractures

Fig. 2.3: Examples of secondary porosity



2.3: Measurement of porosity

Estimates of reservoir porosity can be obtained from several sources both direct and
indirect.

2.3.1: Direct methods

Direct measurements are conducted on samples of the reservoir rock recovered
during drilling of wells. These samples could be rock fragments (cuttings) that are brought
up to the surface by the drilling mud or samples cut during coring operations, which are
called cores. Core samples are more desirable since they are relatively larger and more
uniform, and their depth is known precisely. Small pieces, called core plugs, are usually cut
from the cores for use in various tests. The plugs or cuttings are first cleaned with solvents to
remove their fluid content of oil and water and then dried.

To determine porosity of a sample, all that is needed is to estimate two of the three
parameters in Equ. 2.1. We will start with the bulk volume since it is usually the easiest to
determine.

Bulk volume estimation

If the sample is regular in shape, e.g., a cylindrical core plug, then V,, is computed
from its length and cross-sectional area.

V, = AL (2.3)
where A_ is the core plug cross-sectional area in cm2 and L is the core plug length in cm. If
the sample is irregular in shape, e.g., a cutting, then Vj, is estimated by submerging it in
water and measuring the volume of water it displaces (Fig. 2.4-a). To prevent water from
entering the sample's pores, the sample is first coated with a thin layer of wax or varnish. The
volume of the coating must obviously be subtracted later; this volume is determined from the
mass of the coating and the density of the coating material. Mass of the coating is obtained
from the difference in the mass of the sample before and after coating.

Grain volume estimation

If the rock is predominantly composed of one mineral, e.g., quartz, then the mass of
the clean and dry sample, m,, divided by the density of the mineral, py, equals the total
volume of the grains

V, = my/pg 2.4)

If the rock is composed of many minerals whose types and volume fractions are

known, an average grain density, 5 . must then be estimated as follows:



P, = XVipg (2.5)

where

vV, :  volume fraction of mineral i

pei :  density of mineral i, g/em’

(@]
Wax coating |

(a) Bulk volume (b) Grain volume

Fig. 2.4: Measurement of volume by submerging in water
Example 2.3

An irregular piece of sandstone is 35.25 grams in mass. When coated with varnish, its mass
increased to 36.55 grams. Compute the rock porosity if the coated sample displaces 15.7 ml

of water when fully submerged. p, = 2.65 g/em’, py = 1.00 g/em’, py = 1.80 g/em’.

V, = 35.25/2.65

= 13.30 em’
V, = (36.55-35.25)/1.80

= 0.72 em’



V, = 15.70-0.72

= 1498 om’
o = (14.98-13.3)/14.98

= 0112 = 11.2%

Note: This value is the absolute porosity.

Sometimes the rock's mineral composition is unknown. We can still determine V, by
liquid displacement. An uncoated sample is submerged in water or another suitable liquid
and left for a sufficient time to ensure that all the pore space has been filled. Then, while
suspended in the liquid by a string, the sample is weighed (Fig. 2.4-b). The difference in the
sample’s weight before and after submerging is equal to the weight of liquid displaced,
whose volume must be equal to the grain volume. For this procedure to be effective, all the
air present within the sample must be displaced by the liquid, which is rather impossible as
some air will be trapped within the smaller pores. And even if complete air displacement is

achieved, only the connected pore space will be filled leading to a V, value larger than the

true one. It should be noted, then, that while Equ. 2.4 results in computing the absolute

porosity, the liquid displacement procedure results in the effective porosity.

Example 2.4

The varnish coating on the sample of Example 2.3 was removed and the sample was
submerged in water. When air bubbling stopped, the sample was weighed while suspended
in water. It weighed 21300 dynes. Assuming that you don't know the rock composition,

compute the rock porosity.

Weight of sample in air = 35.25 x 980 = 34,545 dynes
Weight of sample in water = 21,300 dynes
Weight of displaced water = 34545 — 21300 = 13,245 dynes
Volume of displaced water = 13245/ (980x 1) = 13.52 cm’
vV, = 1352 cm’

¢ = (1498-13.52)/14.98

= 0097 = 9.7%

Note: This value is the effective porosity.

10



Pore volume estimation

Estimating V, requires simple procedures and, usually, available equipment. On the
other hand, direct measurement of the pore volume provides a more accurate porosity value.
However, this requires some additional instruments. A simple method starts with weighing
the sample in air followed by placing the sample in a vacuum flask (Fig. 2.5-a) for a few
hours. Water is then introduced into the flask gradually until the sample is completely
submerged (Fig. 2.5-b). The sample is then removed from the flask, shaken to remove excess
water and then weighed quickly. The increase in the mass of the sample is equal to the mass
of water introduced into the sample, and the volume of the water is equal to the connected
pore volume. Care must be taken to minimize water evaporation; and if the rock contains
clay minerals that absorb water, another liquid — oil, mercury, or KCI brine — must be used

instead.

liquid
reservoir,

Vacuum gauge

S
2 I

Vacuum valve

(a) under vacuum (b) saturated

Fig. 2.5: Pore volume measurement by the liquid saturation method
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Example 2.5
A sandstone core plug is 1 inch in diameter, 2 inches long, and has a mass of 56.6 grams.

When completely saturated with water, its mass increases to 60.9 grams. Compute the rock

porosity.
Mass of water in sample = 60.9 — 56.6 = 4.3 grams
Volume of water =4.3/1 = 43cm’
V, = w(0.5x2.54)x2x2.54 = 2574cm’
¢ = 43/2574 = 16.7%

Note: The absolute porosity of the sample computed from its estimated grain volume is 17%.

Another method utilizes gas expansion to fill the pore space of the sample, and it
requires a special instrument called a porosimeter (Fig. 2.6). In this method, the sample is
first placed in a chamber and placed under vacuum to remove all air within it. Then gas,
usually helium, is allowed to expand from a container of known volume and initial pressure
into the chamber. By application of Boyle’s law, the final volume of the gas is computed
from its final pressure. The increase in the gas volume is equal to the connected pore volume

of the sample plus the dead volume in the chamber and tubing.

Gas Container

Pressure
gauge Valve
@ N To vacuum pump
- and gas source

Core and core chamber

Fig. 2.6: Gas expansion porosimeter
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2.3.2: Indirect methods

Indirect methods of estimating porosity rely on measurement of other rock and fluid
properties. These measurements are carried out in the well employing special instruments as
part of well logging operations. Therefore, no core samples are needed and the porosity is
estimated for the rock as it exists in the reservoir. Two of the most common well logs are
discussed below.
The sonic (acoustic) log

In this log, the instrument - the sonde - generates sound waves, which travel through
the reservoir - in the vicinity of the well bore - and are detected by the sonde upon their
return. The time lapse between generation and detection — travel time - is recorded

continuously versus the depth of the instrument. Since travel time is related to porosity by

My = AL+ (1- )AL, (2.6)
where

At,, : sound travel time in the reservoir as measured by the log, ps

At : sound travel time in the grain material of the reservoir, us

At; : sound travel time in the fluids of the reservoir, ps

and since At_, and At; are usually known for the reservoir, the porosity can be estimated at

all depths.

The formation density log

Another logging sonde emits gamma rays, which mostly pass through the reservoir rock and
fluids, but some are scattered back into the well bore and are detected by the sonde. The
fraction of scattered gamma rays is used to compute the bulk density - rock and fluids - of

the reservoir, which is related to porosity by

Pog= @ Pt (1-0)py, (2.7)
where

Prg :  bulk density of the reservoir as measured by the log, g/em’

Pna .  density of the grain material of the reservoir, g/em’

p; : density of the fluids of the reservoir, g/em’

Since laboratory values of the porosity are more reliable, these are used to correct log-
estimated values at the same depth(s) of the core sample(s), and then the same correction is
applied to the entire thickness of the reservoir. It should be noted that both logs provide

estimates of the absolute porosity.

13



Example 2.6

A sonic log measured travel time of 58 us for a formation. If the formation is primarily

limestone (46 ps) and contains oil only (190 ps), compute the rock porosity.

Rearrange Equ. 2.6
At At

log - ma

¢~ At, — At

58-46
190 -46

= 83%

Note: This value is the average absolute porosity of the formation.

Exercises

1. Suppose we pack spherical balls, all of the same size, in a cubic packing arrangement.
What will the porosity of the medium be?

2. Suppose the balls of Exercise 1 have 1 mm diameter. How big are the largest balls that
we can fit in between them? What will the new porosity be?

3. A core plug 1 inch in diameter and 2 inches long is placed in the chamber of a gas
expansion porosimeter whose container is 20 cm’ large. The initial and final pressure
readings are 25 and 21 psi, respectively. Ignoring the dead volume of the apparatus,
what is the porosity of the sample?

4. A dry and clean core sample 1 inch in diameter and 4 inches long weighs 120 grams.
Mineral analysis shows that the grains are 80% (by volume) calcite and 20% anhydrite.
Estimate the sample's porosity. (pea = 2.71 glem’, pa = 2.98 g/em’)

5. Suppose the core sample of Problem 4 was obtained from a formation which contains

only water (py =1 g/Cm3). In one location of the formation, the density log measured a

bulk density of 2.48 g/cm’, what is the formation's porosity at that location?

14



3. ROCK COMPRESSIBILITY
3.1: Definition

The compressibility of a substance is defined as the shrinkage of a unit volume of the

substance per unit increase in pressure. In equation form:

c = - % (Z_\P{l 3.1
where

¢ : compressibility, psi’

V :  volume, ft3

P : pressure, psi

T : temperature, °F

Since volume always decreases with increase in pressure, the partial derivative in Equ. 3.1 is
negative. Therefore, the minus sign is added to give a positive compressibility value. Note
that compressibility varies slightly with temperature, which explains why the derivative is
fixed at a given T. All minerals found in sedimentary rocks are elastic, i.e., they show
compressibilities of various magnitudes. Quartz, for example, has a compressibility of about
2x 10™ psi” at 68 °F.

3.2: Significance

Buried deep under the surface, reservoir rock is exposed to a large overburden
pressure, Py, created by the weight of all rock strata above it. This pressure is transmitted
from grain to grain at the points of contact. Another pressure that is exerted on the grains of
the rock is the pressure of the fluids within the pore space. This pore pressure, Py, is usually
equal to the hydrostatic pressure at the depth of the reservoir and is mostly independent of
Pob. One can imagine a wall built with hollow bricks. The Py, felt by the bottom bricks
corresponds to the weight of the wall while P, within the cavities of the bricks is the
atmospheric pressure of air that can move freely through them.

Reservoir engineers are interested in rock compressibility because of its effect on
porosity, both in laboratory measurement and during the life of the reservoir. Let us first look
into laboratory measurement. Suppose a core sample is cut from a sandstone reservoir 6000
feet deep, where a reasonable P,, would be 6000 psia. If a quartz grain within the sample has
a reservoir volume of 1 mm>, its volume in the laboratory where P,y is atmospheric, would
increase by

AV = -c VAP

15



= -2x10%x1x(14.7-6000) = 0.00012 mm’

Remember, this is the expansion of one grain only; millions of other grains would expand as
well. Since an increase in the grain volume causes an equal decrease in the pore volume of
the core sample, an error, though very insignificant, would be inherent in the laboratory-
determined porosity. However, a more significant error is introduced because of another
effect. As P,y increases, the grains are also brought closer together because of compaction.
Taking the core sample to the surface reverses this process and causes significant increases
in both bulk and pore volumes. Both increases, though, are difficult to relate to the matrix
(grain material) compressibility.

Similarly, P, in the laboratory is very low compared to its value in the reservoir,
which causes further expansion of the grains and some collapse in the bulk volume. This
phenomenon is similar to deflating a piece of sponge. Thus, an added error is introduced in
porosity.

The resultant effect of reduction in Py, and P, on porosity is difficult to quantify
analytically. Many workers in the field have proposed empirical correlations that predict
variation of porosity with pressure. An example is the one presented by Fatt' and shown in
Fig. 3.1. In his correlation, Fatt defined the net overburden pressure, Pop net , as

Pobnet = Pob —0.85 P, (3.2)

and the pore volume compressibility as
oV
¢ = -— (_I’J (3.3)
V, | 0P, T

Assuming that changes in V, are small compared with changes in V,, Equ. 3.3 can be

rewritten as

_ _1[ o9
Cp = (p(aP JT 3.4)

ob,net

Therefore, once ¢, is estimated from Fig. 3.1 Equ. 3.4 can be used to estimate reduction in

porosity from lab to reservoir as follows

A(P = - Cp Prab APob,net (35)

Example 3.1
A core plug was obtained from a reservoir where the overburden pressure is 5000 psi and the

pore pressure is 2200 psi. If the plug shows a porosity of 18% in the laboratory, what is its

16



porosity under reservoir conditions? Assume the pore compressibility follows curve E in Fig.
3.1.

Poonet =  Pop—0.85P,
= 5000 -0.85x 2200 = 3130 psi
From Fig. 3.1, ¢, = 10 x 10 psi”
Ap = - ¢p Qrab APgpnet
= -10x10°x0.18x 3130 = 0.0056

Therefore, porosity under reservoir conditions is
¢ = 0.18-0.0056
= 0.1744 or 17.44%

Note: Under laboratory conditions, net overburden pressure is usually negligible.

35

A
30
25
20
Cp, 107 psi”!
15
10
A: Unconsolidated sand
B, C, D & E: Assorted sandstones
0

0 2 4 6 8 10 12
Net overburden pressure, 10° psi
Fig. 3.1: Variation of pore-volume compressibility with net overburden pressure

(from Fatt!)

3.3: Measurement of compressibility

Pore-volume compressibility can be measured in the laboratory by measuring the
variation in the pore volume of a core sample at different conditions of Py, and P,. The pore
volume of the sample is first measured at atmospheric pressure and the reservoir temperature

following the procedures of Chapter 2. The saturated sample is then loaded into a core holder

17



(Fig. 3.2), which is a device that allows application of different combinations of overburden
and pore pressures independently. At each set of Py, and Py, the liquid that is squeezed out of
the sample is collected, and its volume is used to compute the current porosity. A plot of ¢

versus Pgp net Would yield the pore volume compressibility as depicted in Fig. 3.3.

To
confining fluid

pump

Iﬂi@Pressme gauge

% Confining fluid % Bolt
&

=
End plug
R N SR Flange
R e e R
;r-‘:ﬁf;eﬁ-ﬁt__fab. SR
ﬁ‘*&é:-“‘if .-.. H.
Outlet ,-?L.ﬂ_:.-“’%ﬂﬁ Core sample ;t,L_.-% wjg.‘:h Inlet
gl
R "‘"" ity e .
“097 rlng
% Core holder body 4
Rubber sleeve
Fig. 3.2: Schematic of a core holder
Porosity

;

Slope = 0 ¢/ 0 Pop net

Net overburden pressure

Fig. 3.3: Computation of pore-volume compressibility
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3.4: Applications

Rock compressibility — matrix, bulk or pore — is useful in correcting laboratory-
measured porosity as discussed above. However, other reservoir calculations also require
compressibility.

In some well testing techniques, the production rate of an oil well is changed
suddenly while its pressure is monitored over a period of time. The transient pressure
response of the well is influenced by fluid as well as rock compressibilities, and these values
are needed for an accurate interpretation of the test results.

Some reservoir engineering calculations require reservoir pore pressure and total
production data for the estimation of reserves. But since the pore volume of the reservoir
changes as P, decreases with production, c, is needed to correct the pore volume from its

initial value.

Exercises

1. With the bulk, pore and grain compressibilities defined as

1 (avbj 1 {0V, 1 {0V,
cb = - — [R— Cp = - — — Cg = - — —
V, \ oP v, \ oP V, \ oP

respectively, show that the definition of porosity implies
& = (1-9)cgtoc

2. The data below was obtained from a compressibility experiment on a core sample whose
bulk volume is 52.0 cm® and initial pore volume is 8.82 cm’. The sample's pore space is
initially filled with water. Estimate the sample's pore-volume compressibility at 1000

and 2000-psi net overburden pressures.
P, (psi) 14.7 50 50 100 100 500 500 1000 1000

Pop (psi) 500 750 1000 1500 2000 2500 3000 3500 4000

Vip (cm’)| 0222 0328 0.361 0452 0470 0.481 0487 0.494 0.506
Vp 1s total water squeezed out of sample at each step.

3. For a reservoir whose pore-volume compressibility is 17x10° psi’, and where
overburden pressure and pore pressure increase by 1 psi and 0.5 psi, respectively, per
foot of depth, show that the porosity decreases by 1% (¢2/¢@; = 0.99) for every 1000 feet

increase in depth.
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4. FLUID SATURATION
4.1: Definition

The pore space of a petroleum reservoir is never filled completely with hydrocarbons;
water is always present in the liquid state, and the hydrocarbons can exist in one or more
states — gas, solid or liquid. The saturation of a given fluid is defined as the fraction of the

pore space occupied by that fluid. In equation form:

Ss = ViV, 4.1)
where

S¢ :  saturation of the fluid, fraction or percent

V, : total volume of fluid in reservoir or core sample, cm’

V. : total pore volume of reservoir or core sample, cm’

p

The sum of all fluid saturations in a reservoir is obviously equal to unity
I = Sy+S,+S, (4.2)

Knowledge of the average saturation of a fluid, say oil, in a reservoir allows the
reservoir engineer to estimate the total volume of the fluid in the reservoir simply through
application of Equ. 4.1. This is the prime utility of saturation. Another, equally important
utility, is how some fluid-dependent rock properties vary with saturation as will be seen in
the following chapters.

The saturation of a fluid in a reservoir seldom remains constant. Water can enter the
reservoir either naturally - from an adjacent aquifer - or artificially by water injection. Oil
saturation decreases with oil production and the replacement of oil by another fluid such as
water. Gas saturation could increase with gas injection into the reservoir or as gas evolves
naturally from the oil when the pressure drops. The saturations of the different fluids in a
reservoir are, therefore, measured periodically employing direct and indirect methods.

4.2: Measurement of saturation
4.2.1: Direct methods

Direct measurement methods rely simply on the removal of all liquids — by
evaporation or extraction - from a core sample and determining their individual volumes.
Dividing each fluid volume by the pore volume of the sample yields the saturation of that
fluid. One device used commonly for this purpose is the Modified ASTM Extraction Unit
(Fig. 4.1). The procedure starts with placing the core sample in a paper thimble and weighing
them together. The thimble is then placed in the flask, the heater is turned on, and water flow

through the condenser is started. As the toluene in the flask boils, its vapors rise and exit the
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flask, condense in the condenser and accumulate in the condenser’s graduated tube. Once the
tube is full, excess toluene refluxes back into the flask flowing through the thimble. Oil
present in the core sample is extracted by the refluxing toluene and ends up dissolved in the

bulk toluene mass.

<«—— (Condenser

Graduated tube —»

Water

Thimble

Core sample

Toluene

Heater

Fig. 4.1: ASTM extraction unit

The water present in the sample evaporates and condenses back into the graduated
tube. Since water is heavier than toluene, it sinks to the bottom of the tube rather than
returning to the flask. Extraction is continued until no more water accumulates in the tube at
which point heating is stopped and the volume of water is read. When the unit cools down,
the sample and thimble are removed and placed in a vacuum oven to dry, after which they
are both weighed again. The mass of the oil is computed by a mass balance on the core

sample before and after extraction as follows

m, = Am¢— Vy pw (4.3)
and

Vo = mo/po
where

m, :  mass of oil extracted, g

Am,_ : reduction in mass of core sample, g
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v, : volume of oil extracted, cm’

3

V, . volume of water extracted, cm

The pore volume of the sample is determined by one of the methods described in
chapter 2 and the liquid saturations are then computed. It should be noted that if oil and

water saturations do not add up to 100%, gas must have been present in the sample.

Example 4.1
A sandstone core sample 4” long, 1” in diameter with an absolute porosity of 23% was

cleaned in an extraction unit. The reduction in the sample’s mass was 7.4 g, and 3.2 ml of
water were collected. If the oil and water densities are 0.88 and 1.02 g/cm’, respectively,

compute the fluid saturations.

my = 32x1.02=326g
m, = 7.4-326=414g
V, = 4.14/0.88 = 4.7 cm’

v, = 2(1)2x4x0.23 = 0.723in® = 11.84 cm’

Sy = 3.2/11.84 = 0.27 = 27%
Se = 4.7/11.84 = 0.397 = 39.7%
S¢ = 100-27-39.7 = 33.3%

4.2.2: Indirect methods
Fluid saturations can also be estimated through indirect methods such as
measurement of rock resistivity and well logging. Both of these techniques will be presented

in the next chapter.

Exercises
1. Suppose the oil in a core sample contains material which cannot be dissolved by toluene,

e.g. wax. How would the oil and water saturations determined by the extraction method
be affected?

2. A sandstone core sample (V, = 49 cm’, V, = 8.8 cm’, total mass = 115.2 g) contains
both oil and water (po = 0.82 g/cm’, pw = 1 g/cm’). Compute the fluid saturations. What

are the uncertainties in your answer?
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5. ROCK RESISTIVITY
5.1: Definition

Resistivity is a measure of the resistance of a substance to the flow of electrical
current. It is equal to the resistance of a sample of the substance having a volume of unity.

For samples with regular geometric shapes, the resistivity can be computed as follows

R, = rA/L (5.1)
where
R, : resistivity of sample, Qm
r : resistance of sample, Q
A : cross-sectional area of sample, m’
L : length of sample, m
The resistance is measured by a simple electric circuit (Fig. 5.1) where
r = V/I (5.2)
Ammeter
Batte
YO
A \/
A
e VA E I

— e

Fig. 5.1: Measurement of electrical resistance

5.2: Significance

Most rock minerals have very high resistivities; so do all crude oils and natural gas.
However, water, especially salt water, is an excellent conductor and, thus, shows low
resistivity. It is this resistivity contrast that is utilized by reservoir engineers to look for oil
and estimate its saturation within reservoir rock. To illustrate this principle, let us follow a
simple experiment. Suppose we have an empty rubber tube fitted with a circuit to measure
resistivity (Fig. 5.2). The copper plates are only to ensure good electrical contact with
whatever substance that fills the tube’s cavity. With only air filling the tube, the resistivity
would be near infinite as air is an excellent insulator. If sweet water fills the tube, the
resistivity would drop to 30 Qm, since water is a better conductor. Replacing sweet water

with brine - salt water - the resistivity would drop to about 1 QOm. Again brine is a good
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conductor. Now suppose we insert in the tube a sandstone core sample saturated completely
with the brine. The resistivity would increase to 95 Qm. The reason is that only part of the
cross-sectional area of the core sample, namely the brine-saturated pores, is available for
current flow since the sand grains are nonconductors. Another reason is that the current has
to travel a longer distance between the terminals, having to follow a tortuous path between
the grains. Finally, suppose we reduce the water (brine) saturation in the sample by replacing
some of it with crude oil. The resistivity would jump to 300 Qm, as oil is a poorer conductor
than brine. If we repeat the last step with different water saturations, we can construct a
graph of resistivity versus water saturation, which can be used to estimate other water
saturations in the core sample by simply measuring its resistivity. However, such a graph
would be limited to that particular sample. To generalize this technique to other core samples

or the reservoir as a whole we need to develop a basic theory of rock resistivity.

Ammeter

|= @

Rubber tube

_v
Copper
plate

Fig. 5.2: Measurement of resistivity

5.3: Mathematical formulations

Let us begin with some definitions:

R, : resistivity of reservoir water, Qm
R, : resistivity of reservoir rock saturated with reservoir water, Qm
R, : resistivity of reservoir rock saturated with both oil and water, Qm

Define the formation factor, F, as

F = R,/ Ry (5.3)

Obviously, the formation factor is always greater than unity since the only difference

between the two resistivities is the presence of the rock matrix. The more tortuous the path of

current flow, the larger R, becomes. Also, the smaller the fraction of pore area, relative to
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the total area of the rock, the larger R, becomes. One can, therefore, conclude that the

porosity of the rock has a considerable influence on F, and indeed it does. The two

parameters have been found by Archie” to relate to each other according to the following

general correlation:

F = Co™ (5.4)
where

C : tortuousity constant

m : cementation factor

The two parameters, C and m, vary with the type of rock. For clean sandstone, a widely used

form of Archie’s correlation is the Humble equation:
F = 0.62¢ >" (5.5)
To introduce the effect of other fluids within the rock, let us define the resistivity

index, I, as

I = ® /R, (5.6)
Again, the resistivity index is always greater than unity since the only difference between the

two resistivities is the presence of oil within the rock matrix. Therefore, it must be related to

Sw. Archie was able to correlate this effect by his second equation:
I = 1/8 (5.7)

where n is called the saturation exponent and varies with the type of rock; a common value

used is 2. Combining Equs. 5.3 and 5.6, the following relationship is derived:

Vl= FR,/ R (5.8)
Substituting for I and F, Equs. 5.3 and 5.7, in Equ. 5.8 yields
Sv'= Co " Ryw/ R (5.9)

Equation 5.9 is the basic tool of the theory of rock resistivity. All that is needed is the
values of the three constants, C, m and n, which are usually fixed for a given reservoir and
can be determined from simple laboratory experiments. Equation 5.9 is the basis of the
laboratory resistivity test and the resistivity log, which is described below.

5.4: Resistivity log
The basic resistivity sonde sends current into the reservoir and measures its

resistivity, R, versus depth. A graph of a typical resistivity log is shown in Fig. 5.3. High
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oil-saturation zones display large resistivity while water-saturated zones display the lowest

resistivity. The logging engineer utilizes this information to identify oil zones within the

reservoir as well as the aquifer, where Sy, = 1 and R, = R,,. If values of C, m and n are not

available from laboratory tests on core samples, the engineer selects a few points within the

aquifer and computes the values of C and m according to Equ. 5.4. Note that a porosity

profile for the formation should be available from a porosity log. The computed values are

assumed to apply for the reservoir as well since both aquifer and reservoir exist within the

same rock formation. Finally, the engineer constructs a water saturation profile of the

reservoir with Equ. 5.9. The value of n can be assumed.

Resistivity (QQm)
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1
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Fig. 5.3: Resistivity log
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Example 5.1
Consider the reservoir whose resistivity log is shown in Fig. 5.3. The reservoir water

resistivity is 1.2 Qm. If the Humble equation applies to this reservoir, and the saturation

exponent is 2.2, estimate the oil saturation at 4226 ft where the porosity is 24%.

At 4226 ft, the resistivity is approximately 400 Qm. Applying Equ. 5.9 to this depth

Sy'= Co™ q{w/ q{t
Sw>? = 0.62(0.24) > x 1.2/ 400
= 0.04
Sy = 0232 =1232%
Se = 76.8%
Exercises

1. Estimate the electrical resistance of a round bar of copper (L = 50 cm, D = 1.27 cm) if

copper has a resistivity of 1.59x10™* Qm.

2. Sonic and resistivity logs on a sandstone aquifer (R, = 1.1 Qm) yielded the following
data:

R, (Qm)‘ 40.1 28.2 19.1 55.0 179 33.8
© ‘ 0.16 019 022 014 023  0.17

Estimate the tortuousity constant and cementation factor for this formation.

3. An oil accumulation exists in another part of the formation of Exercise 2. Resistivity and
porosity data on this part is listed below. Plot the oil saturation profile vs. depth

assuming a saturation exponent of 2.

Depth (ft) 4700|4800 (4900|5000 |5100|5200|5300|5400|5500 5600 5700 5800 5900 6000

Ry (Qm) 365 | 622 | 731 | 906 | 863 | 872 | 775 | 740 | 948 811 629 568 589 767

0.11]0.12]0.14]0.11 |0.16 {0.17 | 0.15| 0.14] 0.11 0.13 0.17 0.22 0.21 0.16

¢
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6. ROCK PERMEABILITY

All rock properties discussed in the previous chapters facilitate estimation of the
quantity of various fluids within a reservoir. They do not provide, however, any information
on the rate at which such fluids could flow through the reservoir rock, which is another basic
requirement for reservoir engineering calculations. Such information is provided by rock
permeability.

6.1: Definition

Permeability is defined as the ability of a porous medium, e.g., sedimentary rock, to
conduct fluids. The larger the permeability, the more fluid flow can be achieved through the
medium for a given set of conditions. The earliest attempt at quantifying permeability was
the work of Henry Darcy in 1856. Conducting many experiments on beds of packed sand and

using different liquids, Darcy observed the following relationships:

q «< AP
q o« A
q o« 1/L
where
q : volumetric flow rate of the fluid through the medium, cm’/s
AP :  difference in pressure between inlet and outlet of medium, atm
A :  cross-sectional area of medium that is open to flow, cm®
L : length of medium, cm

Combining the three relationships, the following equation was obtained
q = CcAAP/L (6.1)
The proportionality constant, c, was found to be inversely proportional to the viscosity of the

fluid used. Therefore, it was replaced with k / p and Equ. 6.1 became
q = k—— (6.2)

The new constant, k, was found to be the same for a given porous medium regardless
of its dimensions, the type of fluid used or the pressure drop applied. It was an inherent
property of the medium that controlled its ability to conduct fluids. Darcy termed this
property the coefficient of permeability, which was later called simply the permeability, and
Equ. 6.2 became known as Darcy’s law. It should be noted that implicit in the definition of

permeability is the requirement that the fluid saturates the porous medium completely.
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The units of permeability are a little confusing. If we substitute consistent units for all
the variables in Equ. 6.2 — such as g/cm.s” for pressure and g/cm.s for viscosity, we find that
the unit of permeability is cm” and this is indeed one of the units employed in the metric
system of units. However, one cm” is a very large permeability that is not encountered in
natural rock. Therefore, reservoir engineers have adopted another, more practical, unit
defined as follows:

If 1 atmosphere of pressure drop is required to flow a liquid of 1 cp viscosity

through a porous medium of 1 cm length and 1 cm? cross-sectional area at a

rate of 1 cm® per second, then the medium has a permeability of 1 darcy.
Thus, 1 darcy = 9.869 x 10 cm®. A more common unit of reservoir rock permeability is the
millidarcy (md), which is one thousandth of a darcy. Since the petroleum industry still uses
the system of field units, a conversion factor is introduced in Darcy’s law as follows

q = 1.127k%% (6.3)

where g, k, A, AP, pand L are in bbl/day, darcy, ft*, psi, cp and ft, respectively.
6.2: Differential form of Darcy’s law

Equation 6.2 can be used in situations where the flow is linear and at steady state, i.e.,
the flow streamlines are parallel and all variables are constant with time at any given
location. These conditions are highly idealized and are seldom encountered in real situations.
The differential form of Darcy’s law, which is more general and can be the starting step in
the solution of any flow problem, is expressed by Equ. 6.4.
A, op

p Os

s = -k (6.4)

where s is the coordinate along which flow is calculated and subscript s denotes the value of
the variable in the s-direction. Since flow always takes place in the direction of decreasing
pressure, which means the pressure gradient — the partial derivative in Equ. 6.4 - is always
negative, the negative sign is added in Equ. 6.4 to make the flow positive in the s-direction.
Equation 6.4 applies to any flow system, and it can be used to compute the flow in the s-
direction at any given point in the system.

To complete the differential form of Darcy’s law, one more detail has to be
addressed. It is well known from fluid statics that the pressure increases with depth within
any static body of fluid. This hydrostatic pressure, Py, is the result of the weight of the fluid
column above the depth of interest, and is given by

P, = pgd (6.5)
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where

p : density of the fluid, g/em’
g : gravitational acceleration (980 cm/s’)
d : depth measured from a reference horizon, cm

Equation 6.5 provides Py, in dyne/cm®. In field units where p is in Ib/ft’, depth is in ft and g =
32.17 ft/s*, Equ. 6.5 becomes

P, = pd/l144 (6.6)
where Py, is in psi.

However, the pressure at a point within the body of fluid may be greater than the
hydrostatic pressure at that point. This could be caused by an external force applied to the
fluid such as pump action. Suppose a flow system has its inlet and outlet at two different
elevations — or depths. If the difference in fluid pressure between the inlet and outlet is equal
to the difference in hydrostatic pressure at these two points, we intuitively know that no flow
would take place. Therefore, the hydrostatic component of the pressure at any depth must be
subtracted to yield the net pressure. This dynamic pressure component, which is the true
driving force of flow, is called the flow potential and is defined as

® = P-P
= P-pgd
= P-pd/144 (in field units)
With this consideration, the generalized differential form of Darcy’s law becomes

Ay 00 _ A 0(P—pgd)
p 0Os ’ 1) 0s

Qs = -ks (6.7)

It should be noted that if all points in the flow system are at the same depth, Equ. 6.7 reduces
to Equ. 6.4.
6.3: Measurement of permeability

Permeability is almost always determined experimentally, and only if no laboratory
data is available do we resort to empirical correlations. Such correlations will be discussed at
the end of this section. Laboratory measurement is performed under steady-state conditions
using a permeameter such as the one shown in Fig. 6.1. The clean and dry core sample is
mounted in the core holder and then placed under a suitable confining pressure to simulate
reservoir overburden conditions. The sample is then placed under vacuum for a sufficient
period of time to remove all air from the sample. The fluid — usually brine, oil or air — is then
flowed through the sample until steady-state flow is established; such state is characterized
